Abstract: An EOR study has been performed applying miscible CO 2 flooding and compared with that for water flooding. Three different oils are used, reference oil (n-decane), model oil (n-C10, SA, toluene and 0.35 wt % asphaltene) and crude oil (10 wt % asphaltene) obtained from the Middle East. Stearic acid (SA) is added representing a natural surfactant in oil. For the non-asphaltenic oil, miscible CO 2 flooding is shown to be more favourable than that by water. However, it is interesting to see that for first years after the start of the injection (< 3 years) it is shown that there is almost no difference between the recovered oils by water and CO 2 , after which (> 3 years) oil recovery by gas injection showed a significant increase. This may be due to the enhanced performance at the increased reservoir pressure during the first period. Maximum oil recovery is shown by miscible CO 2 flooding of asphaltenic oil at combined temperatures and pressures of 50 °C/90 bar and 70 °C/120 bar (no significant difference between the two cases, about 1%) compared to 80 °C/140 bar. This may support the positive influence of the high combined temperatures and pressures for the miscible CO 2 flooding; however beyond a certain limit the oil recovery declined due to increased asphaltene deposition. Another interesting finding in this work is that for single phase oil, an almost linear relationship is observed between the pressure drop and the asphaltene deposition regardless of the flowing fluid pressure.
Introduction
CO 2 flooding has been field tested for oil recovery with varying degrees of success [1] [2] . Application of CO 2 injection in heavy oil reservoirs has received less attention compared to light oil reservoirs. There are two reported reasons for this; it is believed that in heavy oil reservoirs, CO 2 lacks acceptable sweep efficiency due to the large viscosity contrast between CO 2 and oil as well as unlikely development of a miscible front in heavy oil reservoirs [3] .
The extent of oil recovery is influenced by a number of parameters such as relative permeability, wetting conditions, viscous fingering, gravity tonguing, channelling and the amount of crossflow/mass transfer [4] [5] [6] . Tang et al. [7] [8] observed that the morphology of flowing gas bubbles plays a dominant role on solution gas drive in heavy oils.
Relative permeability is one of the essential parameters required in numerical simulators to design and make a decision for any reservoir development. Singh et al. [5] compared the viscous and gravity dominated gas-oil relative permeabilities and suggested that gas flood relative permeability can be applicable to viscous dominated regions of the reservoir as long heterogeneities and flow rates are accounted for properly. Al-Wahaibi et al. [9] investigated the behaviour of two-phase drainage and imbibition relative permeabilities at near miscible conditions and concluded that as the interfacial tension decreases, the non wetting phase relative permeability increases more rapidly than the wetting phase relative permeability. Schembre et al. [10] examined the effects of temperature on heavy-oil relative permeability and found that diatomite rocks became more water-wet with temperature. Sola et al. [11] investigated temperature effects on the heavy oil/water relative permabilities of carbonate rocks and observed that the shape of oil relative permeability changes with increasing temperature. This was attributed to wettability alterations due to elevated temperature. Their results were in contrast to some previous studies dealing with sandstone systems where residual oil saturation was found to decrease and irreducible water saturation increases with temperature. Dana and Skoczylas [12] show that, for a viscosity ratio μ nw /μ w << 1, the gas relative-permeability remains unchanged even if the wetting fluid viscosity is twenty times higher than that of water.
Viscous fingering is a phenomenon that arises due to the instability of the interface between two fluids that have different viscosities. This takes place either on the front or rear of sample plug when there is a sufficiently high viscosity contrast between the displacing and displaced fluid [13] [14] . Viscous fingering and dispersive by-passing is found to increase with oil viscosity [15] . The viscosity of the oil phase has a profound effect on coalescence dynamics of gas during bubble nucleation [16] [17] . Brailovsky et al. [18] [19] , suggested that for both immiscible and miscible displacement, instability is caused by the high mobility of the displacing fluid. This is attributed mainly to viscosity and/or density stratification. Musuuza et al. [20] examined stability criteria for density driven flows in homogeneous porous media. It was suggested that a stable system is attained when there is a balance of external forces such as inertia, viscous stresses and buoyancy. The effect of asphaltene content on the heavy oil viscosity has long been studied, which shows that increasing asphaltene contents result in an increase of oil viscosity [21] [22] . Peng et al. [23] concluded from their studies on oil chemistry, that acid and base groups within asphaltene are a source of interfacial instability. Viscosity reduction in heavy oil by CO 2 , has been reported to be much larger than in light oil [4, [24] [25] .
Asphaltene precipitation has been a serious concern in the oil industry because it can undergo phase transitions that are an impediment in the production of crude oil [26] . De Boer et al. [27] observed that highly compressible, under-saturated crude oils are most susceptible to asphaltene deposition with pressure drop. The precipitation of asphaltenes begins at pressures between the reservoir pressure and the bubble point pressure of the reservoir oil. Typically, the amount of precipitated asphaltene increases as the pressure decreases [28] . Depending on the location of the pressure drops, asphaltene deposition may occur in different parts of the reservoir, as well as in the wellbore and the production stream [29] [30] . It is explained based on the process that by decreasing the pressure the relative volume fraction of the light components within the crude oil increases. Danesh et al. [31] observed that asphaltene precipitation increased as the pressure drop increased in a Visual micro model. Newberry and Barker [32] also reported that the key causes of asphaltene precipitation are pressure decrease and the introduction of incompatible fluids. On the contrary, the asphaltene precipitation of two reservoir oil samples collected from Jilin oil field has been studied under pressure and with/without CO 2 -injection conditions [33] . They observed that no asphaltene precipitation was detected during pressure depletion processes without CO 2 injection. For the CO 2 injected oil systems, appreciable asphaltene precipitation was detected when the operating pressure approached or exceeded the minimum miscible pressure (MMP). The amount of asphaltene precipitation increased with the concentration of injected CO 2 .
In this study, the effect of oil composition, temperature and pressure on CO 2 -oil relative permeability are investigated to address enhanced oil recovery by miscible CO 2 injection. Also, addressed is the effect of pressure drop on asphaltene precipitation.
Results and Discussion
This section is divided into two parts. The first part compares the oil recovery by miscible CO 2 flooding of non asphaltenic and asphaltenic oils at different pressures and temperatures. The outcrop chalk samples are modified by aging in asphaltenic and non-asphaltenic model oil to bench mark the effect of aging with asphaltene on oil recovery. This may resembles two field situations where the chalk is modified with the asphaltenic oil and the other situation is where the modification is occuring as the asphaltene deposits during CO 2 injection. The effect of different pressure drops on asphaltene precipitation with constant injection pressures and temperatures is addressed in this part. The second part deals with simulation of the experimental results using Eclipse compositional model (300). 2 flooding of asphaltenic and non-asphaltenic oils 2.1.1. Effect of pressure (miscible/immiscible CO 2 flooding) on oil recovery Figure 1 shows a difference of 12% oil recovery between miscible and immiscible flooding with CO 2 , where about 65% and 53% for miscible and immiscible flooding, at pressures of 90 and 26 bar, are estimated respectively. In these experiments, the cores were saturated with (non-asphaltenic) 0.005 M SA dissolved in n-C 10 (used as reference oil + natural surfactant) at room temperature of 25 °C. This demonstrates, as expected lower recovery, when flooding with CO 2 below minimum miscibility pressure (MMP). Hereafter, in the paper, the experimental works are done under miscible conditions. In this section the effect of three different combinations of temperatures and pressures for miscible flooding with CO 2 on oil recovery is illustrated for three different oils, reference oil (n-decane), model oil (0.005 M SA dissolved in n-C10, 0.35 wt % asphaltene dissolved in toluene) and crude oil (for its composition, see Table 3 ). Figure 2 (a-f) illustrate the oil recovery and the generated relative permeability curves (using Sendra Simulator version 1.10) from the different experimental conditions and for the different oils. Sendra Simulator inputs are the core properties, production data and pressure drop across the core as a function of time. The combinations of temperatures and pressures of 50 °C and 90 bar, 70 °C and 120 bar, or 80 °C and 140 bar are used to study the effect of different miscibility conditions on oil recovery. Figure 2a shows same ultimate oil recovery of about 90% for the reference oil at both 70 °C/120 bar and 80 °C/140 bar flooding conditions compared with about 80% for the lower flooding conditions (50 °C/90 bar). No significant difference is observed in the relative permeability curves (Figure 2b ) with the three combined temperatures and pressures. A cross point gas saturation of about 0.3 is shown. At CO 2 breakthrough, CO 2 seems to have displaced most oil from the largest accessible pores leaving low residual oil saturation.
Miscible CO
In contrast, the model and crude oils saturated cores showed differences in the cross points for the relative permeability curves (Figure 2d ,f) and CO 2 saturation as a function of the combined temperatures and pressures. The cross points for the relative permeability curves for model oil saturated cores are shown to decrease (move to the left) with increasing temperature and pressure. Residual oil saturation of 0.22, 0.21 and 0.33; cross point relative permeabilities of 0.019, 0.018 and 0.017 with corresponding CO 2 saturations of 0.28, 0.29 and 0.25 are estimated for combination of temperatures and pressures of 50 °C/90 bar, 70 °C/120 bar and 80 °C/140 bar, respectively. The observed higher residual oil saturation at 80 °C/140 bar may be due to asphaltene precipitation at these conditions. A similar trend is observed for crude oil saturated cores as to that for the model oil. Both oils has a common composition of asphaltene, however higher asphaltene content (10 wt %) in case of the crude oil compared with model oil (0.35 wt % asphaltene). As a result, different wettabilities occur; hence different relative permeability curves are obtained. Figure 2e ,f shows the CO 2 -oil relative permeability corresponding to the oil recovery for the crude oil saturated cores. The cross point for the relative permeability curves are shown to be shifted more towards the left compared to the model oil. The residual oil saturation, CO 2 saturation and cross point relative permeability are observed at 0.62, 0.20 and 0.0019; 0.63, 0.19 and 0.0017 and 0.64, 0.18 and 0.00081, at 50 °C/90 bar, 70 °C/120 bar and 80 °C/140 bar, respectively. The general increase of both the shift in the relative permeability curves and the decrease in oil recovery compared with the other oils may support the explanation given above with respect to the effect of the asphaltene in both oil recovery and the relative permeability behaviour, especially at elevated temperatures and pressures. A summary of the above relative permeabilites and oil recovery shown in Figure 2 , for clarity is presented in Figure 3 , where oil recovery and relative permeability curves of CO 2 flooding of the different oils and at each individual combined temperature and pressure are compared. End points (kro and krg) are summarized in Table 1 . Both Figure 3 and Table 1 illustrate the effect of asphaltene and its content on the oil recovery and the shift in both relative permeability end points and the cross points. Pooladi-Darvish and Firoozabadi [34] conducted similar experiments using a sandpack with light-and heavy-oil as well as simulation studies, varying gas-oil relative permeabilities and corey exponents to fit experimental results. They found that gas mobility in heavy-oil was much less than in light oil. This is consistent with our observation and seems reasonable because heavy-oil with higher viscosity will tend to resist gas mobility. It may therefore be concluded, that the content of the asphaltene in the oil, pressure and temperature are major parameters affecting the oil recovery by CO 2 injection. 
Comparison between oil recoveries for model oil flooded cores by water and CO 2
Experiments are done to compare the oil recovery by CO 2 and water for model oil. The results are shown in Figure 4 . The water flooding experiments are performed using distilled water to exclude the complex effect of the ions.
A difference in oil recovery of about 1%, 4% and 7 %, are observed at temperatures of 50, 70 and 80 °C (90 °C) and corresponding pressure of 90, 120 and 140 bar, respectively, in the case of CO 2 flooding. There is inconsiderable difference between the two flooding processes at temperature ≤70 °C, with slightly higher oil recovered by CO 2 flooding. On the other hand at temperature >70 °C, oil recovered by CO 2 flooding is shown to be lower than that obtained by water flooding.
Water displacement at high temperature for asphaltenic oil reservoirs is shown, to give higher recovery. In this work CO 2 flooding is shown to be plausible for asphaltenic oil reservoir at lower temperature (<70 °C). Gielen and Unander [35] reported that oil recovery by miscible CO 2 flooding is limited to reservoirs with a temperature <120 °C, with no explanation given.
Asphaltene precipitation as a function of pressure drop for different flowing pressures
The pressure drop effect on the asphaltene deposition is investigated and shown in Figure 5 . It is interesting to see that for the same asphaltene content in the oil and isothermal flowing condition (100 °C), it is the pressure drop that affects the asphaltene deposition and not the flowing pressures. More over, for the same pressure drop and different flowing pressure, almost the same amount of precipitated asphaltene (wt%) is estimated from the experiment. Visual illustration of the obtained oil colour is shown, in which at higher pressure drop, lighter colour oil is produced. This may indicate more asphaltene precipitation.
Simulation: effect of asphaltene precipitation by miscible CO 2 on oil recovery
Miscible CO 2 injection for recovery from reservoirs of non asphaltenic and asphaltenic oils are simulated in order to see the laboratory results in perspective of large scale. The simulated reservoir consists of total pore volume of 57.6 MM rb (total fluid) and hydrocarbon pore volume (HCPV) of approximately 46.1 MM rb with an average oil saturation of 0.8. Bottom hole pressure of 8,890 psia is specified as injection pressure constraint. Detailed simulation input data and procedures is stated in the experimental part (Section 3.4) . Figure 6a ,b compare oil recovery by miscible CO 2 flooding with and without asphaltene using Eclipse asphaltene modeling option for 500 grid blocks. Cumulative recovered oil of about 10.5 MM STB is predicted for the non asphaltenic oil. Using the asphaltene modeling option of the simulator with three different CO 2 scenarios (1, 10 or 15 mol %) show cumulative recoverable oil of 45, 52 and 2M STB from the three scenarios, respectively. The simulation for both oil types were run for a period of 20 years. Speight [36] and Branco et al. [37] suggested precipitation of asphaltene as a function of carbon number of alkanes and reported that as the alkane carbon number increases, the precipitated amount of asphaltene decreases. Burke et al. [38] and Werner et al. [39] stated that CO 2 injection plays major role for asphaltene precipitation. Figure 6c shows the simulated ultimate oil recovery with corresponding field pressure response as function of mol% of CO 2 . It is interesting to see that increasing CO 2 from 1 to 10 mol %, the ultimate recovered oil increased from >40,000 to >50,000 STB, which corresponds to increase of the field response pressure of about 10 folds, indicating asphaltene deposition. Above 10 mol % of injected CO 2 (simulated here at 15 mol %), a large drop in the ultimate oil recovery is predicted. This may suggest that from this simulation that the identified critical CO 2 concentration is within the lowest identified critical CO 2 from our previous work Hamouda et al. [40] as illustrated in Figure 6d . The critical CO 2 concentration is defined as a concentration above which asphaltene deposition starts that would affect the oil recovery. The simulation showed that after 600 days of CO 2 injection (15 mol % scenario), the injection pressure increased and reached the specified injection pressure constraint indicating asphaltene deposition. Previous work by Hamouda et al. [40] , suggests that below a critical CO 2 content (identified average, highest and lowest critical point for CO 2 expressed as CO 2 mol %, were 33, 42 and 17, respectively) asphaltene is stable in the fluid. This demonstrates that miscible CO 2 flooding of asphaltenic oil is viable method for oil recovery below the critical CO 2 content, without major reservoir damage by asphaltene deposition. It also demonstrates that the recovery by miscible injection of CO 2 into non asphaltenic reservoir fluids is higher than that with asphaltenic oil (as shown in Figure 6 ), as expected. Figure 7 shows the difference between oil recovery by water and miscible CO 2 flooding (well stream containing 100% CO 2 ) for same reservoir conditions with non-asphaltenic reservoir fluid.
Simulation: Comparison between oil recovery by water and miscible CO 2 flooding
Ultimate oil recoveries of approximately 10.5 and 6.4 MM STB are recovered for a period of 20 years by miscible CO 2 and water flooding, respectively. This is an increase in oil recovery of about 39%. It is interesting to see that extra oil recovery starts after about 3 years of injection. Lindeberg et al. [41] in their simulations observed that extra oil production starts after the seventh year. For non-asphaltenic oils, EOR by CO 2 initiated after at least three years of water injection, shows the benefit of miscible flooding, however consideration of economics, energy consumption and environment balance have to be brought into the equation for the decision on when to start injection if it is an option. 
Experimental Section

Materials
Solid Phase
Outcrop chalk cores obtained from Stevns klint near Copenhagen Denmark of about 6-7cm in length, 3.8 cm in diameter, porosity of 44%-48% and absolute permeability of 3-5 mD are used. Table 2 is the core detailed description and its associated fluid content.
Fluids
The investigation is done on four types of oils: (a) n-decane (b) 0.005 M SA dissolved n-decane (reference), (c) model oil (0.35 wt % asphaltene dissolved in toluene, 0.005 M SA dissolved in n-decane (95% purity), and (d) crude oil (composition listed in Table 3 ). Distilled water and supercritical CO 2 are used as displacing fluids.
Oil model preparation procedure
Model oil system is prepared from asphaltene precipitated from crude oil in excess of n-heptane (1:40). The mixture is shaken for at least twice a day and left for 48 hours to equilibrate. It is then centrifuged and filtered through a 0.22 micrometer filter (Millipore), and dried for 1 day using a vacuum oven at room temperature. The dried asphaltenes (0.25 g) are then dissolved in toluene (19 g, i.e., 22 mL) and mixed with n-decane containing 0.005 M SA to obtain the model oil. The prepared model oil is filtered to remove the suspended materials. The procedure followed in CO 2 flooding has been extensively discussed in our previous work [40] . The major components of the experimental setup consist of a core holder, pressure regulator, two gas flow meters, pressure manometers, Gilson pump, three piston cells (two CO 2 piston cells and oil sample cell), graduated gas/oil separator and connected with PC controlled Labview (version 7.1) to monitor and continuously log the flooding data.
Oil saturated core samples are inserted into a horizontally placed core holder that consists of a steel cylindrical body and rubber/Teflon sleeve. A net overburden pressure of 20 bar is applied on the sleeve. Then, CO 2 injection is carried out in two modes, namely, immiscible and miscible flooding. Miscible and immiscible flooding, at pressures of 90 and 26 bar, respectively, are used for cores saturated with 0.005 M SA dissolved in n-C 10 (used as reference oil + natural surfactant) at room temperature (25 °C). Miscible flooding is also done for n-decane, model oil and crude oil saturated cores at combined pressure and temperature of 90 bar/50 °C, 120 bar/70 °C and 140 bar/80 °C. CO 2 is injected from a piston cell via a flow meter (1) that records the in-flow properties of CO 2 (mass flow rate, density and total mass). A back pressure regulator is installed downstream the core to control the pressure during CO 2 flooding so that both gas and liquid effective permeabilities could be obtained to minimize CO 2 slip as recommended by Li et al. [43] . Prior to oil production, the back up pressure regulator is closed for about 5-10 minutes to equilibrate the system. The produced fluid from the core is collected in a graduated gas/oil separator where the fluid stream is separated to liquid and CO 2 gas. CO 2 gas is stored in a piston cell, not to be discharged into the atmosphere. The out-flow properties (mass flow rate, density and total mass) of the evolved gas are, also, recorded using flow meter (2) connected to the separator. Minimium miscibility pressures (MMPs) used in this study are 90, 120 and 140 bar for temperatures of 50, 70 and 80 °C, respectively (for method of determination, see [40] ).
Determination of asphaltene precipitation as a function of pressure
The measurement of asphaltene precipiatation as a function of pressure drop using core sample as a filter is schematically depicted in Figure 8 . The unit consisted of a stainless steel Hassler-type core holder, Coriolis mass flow measuring system (Proline Promass 80), two pressure regulators, Gilson pump, Oven, two piston cells (one for confining pressure and the other for the oil model), ∆P Transducer (DELTA BAR-S PMD75), pressure gauges and Labview monitor 7.1.
Weighed chalk core sample initially dried at 130 °C is inserted into the core holder to simulate asphaltene deposition in the reservoir during pressure depletion. Confining pressure of approximately 20 bar over the injection pressure is maintained. Oil is charged into a piston cell and pressurized to the required working pressure of 100-130 bar in oven at isothermal temperature of 100 °C. The flowing rate of 0.5-3 mL/min is recorded and is dependent on the pressure drop (∆P).
The inlet and outlet pressures of the core are controlled using backpressure regulators while the pressure drop across the sample is continuously monitored by a pressure transducer and displaced on the computer monitor. Constant pressure drop of 20, 50, 80 and 100 bars is maintained for each of the experiment. The oil injection continued until no oil production, the core is then dry at 130 °C, cooled down and weighted until a constant weight is obtained. The amount of asphaltene precipitated is determined by the weight difference between the final and initial dried weight. 
Simulation model
The simulation is done to investigate the effect of CO 2 on oil recovery on a large scale. A simple reservoir model grid of 50 × 1 × 10 (500 grid blocks) with dimensions of 7,500 × 600 × 150 ft is used, using a compositional simulator (Eclipse compositional model version 2008.1) with six components (C 1 , CO 2 , C 6 , C 10 , C 15 , and C 20 ). Three phase model (water, oil and gas) and miscible option are selected for both asphaltenic and non-asphaltenic oils. For the asphaltenic oil, asphaltene precipitation option is selected. In the PVT section of the model, Peng-Robinson equation of state is specified for the calculation. Pseudo component is used for the properties of asphaltene, such as molecular weight of 1000 g/mol and density of 1.28 g/cm 3 to generate the fluid PVT properties at 50 °C and 90 bar. Experimental relative permeability data for n-decane and model oil saturated core at 90 bar and 50 °C are the relative permeability simulator input for non-asphaltenic and asphaltenic oils, respectively. The reservoir consists of total pore volume of 57.6 MM rb (Total fluid volume) and hydrocarbon pore volume (HCPV) of approximately 46.1 MM rb with average oil saturation of 0.8. The reservoir depth is taken to be 9,840 ft with two wells at the first grid block (injection well) and fifteth grid block (production well). Well bore diameter of 0.375 ft and wells control mode RESV (reservoir fluid volume rate) with upper limit of 2,000 rb/day is used. Bottom hole pressures of 8,890 and 200 psia are specified as injection and production pressure constraints, respectively. The simulation is run for 20 years. The oil composition and reservoir model inputs are listed in Table 4 . 
Summary and Conclusions
EOR by miscible CO 2 flooding shows high ultimate oil recovery for non-asphaltenic oil compared with asphaltenic oil, as indicated by both the residual oil saturation at the cross points of the relative permeability curves. This may be explained based on fingering and oil trapping.
Asphaltene deposition is initiated by CO 2 when the critical content of CO 2 is exceeded. In other words if the injected CO 2 is maintained below the critical content point, higher oil recovery may be obtained from asphaltenic oil. The critical content point of CO 2 is dependent on oil composition, temperature and pressure and must be evaluated at early stage of screening methods for EOR. However, the combined temperature and pressure for miscible flooding must be taken into account, where it is shown that above 70 °C /120 bar, oil recovery declined.
Injection of CO 2 after at least 3 years of water injection as indicated by the simulation (for non-asphaltenic oil) is shown to have a significant effect on the incremental oil recovery. The cross point relative permeabilities as a function of CO 2 saturation are shown to decrease with asphaltene content. High residual oil saturation as asphaltene concentration increases, may suggest oil trapping.
A comparison between the oil recovery for asphaltenic oil by water and CO 2 flooding shows that above a certain temperature (70°C in this work) a reduction in oil recovery was observed by CO 2 flooding compared to water flooding. The reduction in oil recovery is attributed to increase of asphaltene precipitation with temperature. At pressure conditions higher than the bubble point pressure (bp) for the tested fluid, almost a linear relationship between pressure drop and the precipitated asphaltene (wt %) is obtained regardless of the injection pressure.
